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Understanding the storage mechanisms in CO2 flooding is crucial, as many carbon capture, utilization,
and storage (CCUS) projects are related to enhanced oil recovery (EOR). CO2 storage in reservoirs across
large timescales undergoes the two storage stages of oil displacement and well shut-in, which cover mul-
tiple replacement processes of injection–production synchronization, injection only with no production,
and injection–production stoppage. Because the controlling mechanism of CO2 storage in different stages
is unknown, the evolution of CO2 storage mechanisms over large timescales is not understood. A math-
ematical model for the evaluation of CO2 storage, including stratigraphic, residual, solubility, and mineral
trapping in low-permeability tight sandstone reservoirs, was established using experimental and theoret-
ical analyses. Based on a detailed geological model of the Huaziping Oilfield, calibrated with reservoir
permeability and fracture characteristic parameters obtained from well test results, a dynamic simulation
of CO2 storage for the entire reservoir life cycle under two scenarios of continuous injection and water–
gas alternation were considered. The results show that CO2 storage exhibits the significant stage charac-
teristics of complete storage, dynamic storage, and stable storage. The CO2 storage capacity and storage
rate under the continuous gas injection scenario (scenario 1) were 6.34 × 104 t and 61%, while those
under the water–gas alternation scenario (scenario 2) were 4.62 × 104 t and 46%. The proportions of stor-
age capacity under scenarios 1 and 2 for structural or stratigraphic, residual, solubility, and mineral trap-
ping were 33.36%, 33.96%, 32.43%, and 0.25%; and 15.09%, 38.65%, 45.77%, and 0.49%, respectively. The
evolution of the CO2 storage mechanism showed an overall trend: stratigraphic and residual trapping first
increased and then decreased, whereas solubility trapping gradually decreased, and mineral trapping
continuously increased. Based on these results, an evolution diagram of the CO2 storage mechanism of
low-permeability tight sandstone reservoirs across large timescales was established.

© 2024 THE AUTHORS. Published by Elsevier LTD on behalf of Chinese Academy of Engineering and
Higher Education Press Limited Company. This is an open access article under the CC BY-NC-ND license

(http://creativecommons.org/licenses/by-nc-nd/4.0/).
1. Introduction

Since the Industrial Revolution, the atmospheric CO2 concentra-
tion has been rising rapidly. In 2021, global CO2 emissions reached
3.63 × 1010 t [1], and the global surface average temperature
increased by approximately 1.1 °C compared with that in 1850–
1900, due to the average CO2 concentration exceeding 410 parts
per million (ppm) [2]. This has resulted in frequent extreme cli-
mate disasters across the globe, intensifying the urgent need to
reduce greenhouse gas emissions [3–6]. As an emerging technol-
ogy developed in response to the call to reduce greenhouse gas
emissions, carbon capture, utilization, and storage (CCUS) is antic-
ipated to play an important role in achieving large-scale CO2 emis-
sion reduction [1,7–9]. A study conducted by the International
Energy Agency (IEA) showed that, under a sustainable develop-
ment scenario, CCUS technology could contribute up to 15% of
cumulative CO2 emission reduction [1]. The geological utilization
and storage of CO2 is one of the most widely used among CCUS
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technologies and has the highest carbon emission reduction poten-
tial [10–12]. Moreover, it can be applied to saline aquifers, oil
reservoirs, gas reservoirs, and coal beds [13–18]. According to the
Global CCS Institute, there were a total of 41 commercial carbon
capture and storage (CCS) projects in operation around the world
by the end of 2023 [19], with deep saline formations and oil reser-
voirs being the most common types of CO2 storage containment.

When CO2 is injected into a formation, owing to the influence of
the geological structure, the viscosity, the capillary pressure, and
the interaction between the dissolved CO2 and the formation’s flu-
ids and rocks, most of the CO2 is trapped in the formation [20–24].
However, as the CO2 storage mechanisms change over time, the
storage state of the CO2 within the formation at different stages
can differ [25,26]. Understanding the evolution of CO2 storage
mechanisms is an important prerequisite for verifying the actual
CO2 storage capacity at storage sites and assessing the safety of
CO2 storage [27–33].

Researchers at the Carbon Sequestration Leadership Forum
(CSLF) [34], US Department of Energy (DOE) [35], and US Geologi-
cal Survey (USGS) [36], in addition to other scholars [37–40], have
proposed various evaluation methods for the storage potential of
CO2 storage mechanisms in saline aquifers, analyzed the main fac-
tors affecting storage conditions and efficiency [28,41–44], and
determined the ranges for the effective coefficients and other key
parameters of CO2 storage [45–49]. Notably, based on a study of
the CO2 storage mechanism in saline aquifers, the CSLF was the
first to specify an evolution diagram of CO2 storage [34].

Because CO2 storage in oil reservoirs has the dual benefits of
enhancing oil recovery and reducing carbon emissions, it is consid-
ered an ideal choice for reducing CO2 emissions in the current eco-
nomic and technological situation [50–54]. Compared with CO2

solubility in saline aquifers, CO2 has higher solubility in the crude
oil in oil reservoirs; it also has a strong extraction effect on light
hydrocarbon components [55–58].

CO2 storage in reservoirs across large timescales undergoes the
two storage stages of oil displacement and well shut-in. These
cover multiple replacement processes of injection–production
synchronization, injection only with no production, and
injection–production stoppage, which result in complex changes
in the conditions of CO2 storage. The evolutionary pattern of CO2

storage over time, including stratigraphic trapping, residual trap-
ping, solubility trapping, and mineral trapping, has not been clari-
fied [33–37,59–68]. According to experimental and theoretical
analysis, a low-permeability tight reservoir can be effectively
developed using CO2 flooding [69–72]. In China, low-
permeability tight reservoirs provide stable and increased
hydrocarbon production over a certain period, offering vast CO2

storage potential [73–76]. Nevertheless, understanding the CO2

storage capacity mechanism is a prerequisite for the industrial
application of CO2 flooding and storage.

In this work, taking a low-permeability tight sandstone reser-
voir in the Xingzichuan Oilfield in the Huaziping region as an
example, a mathematical model considering stratigraphic trap-
ping, residual trapping, solubility trapping, and mineral trapping
is established to estimate the CO2 storage capacity based on oil–
water and gas–water relative permeability, CO2 phase, and
water–rock interaction experiments. Well test results are used to
calibrate the established geological model. Based on a dynamic
simulation of CO2 storage over the entire reservoir life cycle under
two scenarios of continuous gas injection (scenario 1) and water–
gas alternations (scenario 2), the effects of CO2 flooding and stor-
age and the evolution of the CO2 storage mechanisms are clarified
at different stages. An evolution diagram of CO2 storage in a low-
permeability tight sandstone reservoir over time is constructed.

This study provides theoretical support for calculating the car-
bon emissions reduction of the entire process of reservoir CO2 stor-
108
age and promotes the measurement, monitoring, and verification
(MMV) method of actual emission reduction in CCUS projects for
oil reservoirs. The CO2 storage capacity of this low-permeability
tight sandstone reservoir throughout its life cycle provides a refer-
ence for the dynamic evaluation of the actual CO2 storage capacity
of a similar type of reservoir.

2. The CO2 storage mechanism
� �

2.1. Residual trapping

In the process of CO2 flooding and storage, with CO2 injection,
the reservoir CO2 saturation increases, the water saturation
decreases, and the change in the relative permeability of the fluids
follows the drainage process. Simultaneously, as the formation
water retreats and re-saturates the pore space, fluid seepage in
the porous medium enters the imbibition process. Under the same
saturation condition, due to the non-wetting phase, the relative
permeability of CO2 in the imbibition process is always lower than
that in the drainage process. This relative permeability ‘‘hysteresis
effect” causes CO2 to be trapped in the form of a discontinuous
phase in the microspores, meaning that it is trapped in the form
of residual gas. Residual trapping is a relatively stable storage
method that is mainly affected by the reservoir rock wettability,
pore-throat structure, and fluid properties [77–80]. Compared with
medium- and high-permeability reservoirs, low-permeability
reservoirs have smaller pores and more complex pore-throat struc-
tures, and CO2 storage is controlled by capillary force. Taking the
Chang 6 formation in the Huaziping oilfield as an example, the
reservoir’s pore-throat structure is bimodal and skewed, with an
average pore-throat radius of 0.07–0.52 lm.

The quantitative characteristics of the CO2 residual gas satura-
tion are key parameters for studying the reservoir residual mecha-
nism and evaluating the residual CO2 storage capacity. Previous
studies have mainly analyzed the formation mechanism of residual
gas and its influencing factors [10,11] but have not evaluated the
residual storage capacity based on the residual gas saturation
under actual reservoir conditions. To characterize the CO2 displace-
ment–imbibition process, the oil–water and gas–water relative
permeability curve of the CO2 displacement–imbibition process
of the Change 6 formation in the Huaziping Oilfield (Fig. 1) was
measured according to the national standard, the ‘‘GB/T 28912–
2012 Test method for two phase relative permeability in rock”
[81]. The residual CO2 gas saturation at any saturation level during
the CO2 flooding and storage process was calculated using the
Killough method [82], as shown in Eqs. (1)–(3). The maximum
gas saturation under the displacement state is 0.33, and the resid-
ual gas saturation under the imbibition state is 0.24. The land coef-
ficient C value is 1.14, as calculated using Eq. (2).

Sncrt ¼ Sncrd þ Sg þ Sncrd
1þ CðSg � SncrdÞ ð1Þ

C ¼ 1
Sncri Sncrd

� 1
Snmax Sncrd

ð2Þ

Sncrt ¼ Sg
1þ 1:14Sg

ð3Þ

where Sg is the gas saturation, Sncrd is the residual gas saturation in
the displacement curve, Sncrt is the residual gas saturation, Sncri is
the residual gas saturation in the imbibition curve, Snmax is the max-
imum gas saturation, and C is the land coefficient.

The residual CO2 storage capacity in the reservoir is calculated
as follows:
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Fig. 1. The relative permeability curve. (a) The oil–water relative permeability curve; (b) the gas–water relative permeability curve. Krw, Kro, Krg, and Krl: relative permeability
of water, oil, gas, and liquid, respectively.

Fig. 2. Variation in CO2 solubility in formation water.
�

Mresidual ¼ 1:96� 10�3 � Ah/Sg
Bgð1þ 1:14SgÞ ð4Þ

whereMresidual is the residual trapping capacity (t), A is the reservoir
area (m2), h is the reservoir net thickness (m), / is the porosity, and
Bg is the gas volume factor (m3 m−3).

2.2. Structural and stratigraphic trapping

After injection into the reservoir, CO2 mainly exists in the form
of free and dissolved gases and undergoes migration and transfor-
mation. Part of the free CO2 is trapped in the form of residual gas by
capillary force, while another part is trapped in the reservoir in the
form of free gas owing to the barrier effect of the upper overbur-
den—that is, structural or stratigraphic trapping. With the contin-
uous injection of CO2 and the flooding and storage processes, this
part of the CO2 migrates laterally on a large scale. Therefore, based
on the defined residual CO2 gas saturation, the equation for calcu-
lating CO2 storage capacity due to structural trapping Mfree is as
follows:

Mfree ¼ 1:96� 10�3 � Ah/ðSg � Sg
1þ 1:14Sg

Þ=Bg ð5Þ
�

2.3. Solubility trapping

Solubility trapping refers to CO2 storage that is achieved by dis-
solving the injected CO2 in the reservoir’s crude oil and formation
water. Unlike saline aquifers, a significant amount of hydrocarbon
is contained in the oil reservoir. Because CO2 has a higher solubility
in crude oil than in formation water, under the same formation
conditions, the CO2 storage capacity is larger in oil reservoirs than
in saline aquifers. Taking the Chang 6 formation in the Huaziping
Oilfield as an example, under the reservoir conditions of 40 °C
and 8.9 MPa, the solubilities of CO2 in crude oil and formation
water are 129.62 and 19.01 m3 m−3, respectively.

Solubility is a key parameter for calculating the CO2 storage
capacity using solubility trapping. It is primarily controlled by fac-
tors such as the reservoir temperature, pressure, formation water
salinity, and crude oil composition. In general, CO2 has higher sol-
ubility in formation fluids in low-temperature, high-pressure, low-
salinity, and light crude oil environments [83–85]. By fitting the
experimental results of CO2 solubility in formation water at differ-
ent pressures (Fig. 2), an equation for calculating the CO2 storage
capacity via solubility trapping in formation water in the target
area was constructed.
109
Rsb ¼ 0:0043p3 � 0:2038p2 þ 3:5359pþ 0:5933 ð2 � p � 20Þ
ð6Þ

Msolution ¼ 1:96� 10�3 � Ah/SwRsb=Bw ð7Þ
where Rsb is the CO2 solubility of brine (m3�m−3), p is the reservoir
pressure (MPa), Sw is the water saturation, Bw is the formation
water volume factor (m3�m−3), and Msolution is the solubility trap-
ping capacity in formation water (t).

During the CO2 flooding process, the solubility of the CO2 in the
crude oil changes dynamically because of the constant change in
the remaining hydrocarbon components in the reservoir, owing
to the impact of the CO2 on crude oil extraction under the same
equilibrium pressure. The crude oil in the Chang 6 formation in
the Huaziping Oilfield is characterized as a typical light oil with a
high content of light, transition, and intermediate components.
These characteristics result in a more significant extraction effect
of CO2 (Fig. 3), leading to a large variation in the CO2 solubility in
the crude oil. Therefore, to accurately calculate the CO2 storage
capacity via solubility trapping in crude oil, it is essential to deter-
mine the CO2 solubility at different flooding stages. The CO2 and
well fluids were divided into seven component groups by conduct-
ing a chromatographic analysis of well fluids from well H146-4 in
the target region and considering the properties, content, molecu-
lar weight of each component, and their interaction rules with CO2
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Fig. 3. Changes in crude oil components before and after CO2 flooding. C8–C40+: alkanes with a carbon atomic number of 8 to 40 or more in the composition of crude oil.

Table 1
Division of crude oil components.

Components Molecular weight (g mol−1) Molar content (mol%)

CO2 44.01 0.036
N2, C1 16.57 15.117
C2–C4 43.92 23.347
C5–C6 77.47 7.181
C7–C13 131.31 33.179
C14–C29 227.61 20.031
C30+ 432.45 1.109
P

(Table 1). After the CO2 injection, an equation of state for the crude
oil was established by fitting the characteristic parameters of the
crude oil (i.e., volume factor, density, viscosity, and bubble point
pressure) to the pressure–volume–temperature (PVT) experimen-
tal results. The error between the minimum miscible pressure
obtained using this equation and the experimental capillary results
was 4.07%.

Based on the crude oil equation of state, the molar ratio of dis-
solved CO2 in the formation’s crude oil under any equilibrium con-
ditions during CO2 flooding can be obtained. Therefore, the CO2

storage capacity due to solubility trapping in crude oil can be cal-
culated as follows:

Msolo ¼ 4:4� 10�5 � Ah/SoqoxCO2

Mizi
ð8Þ

whereMsolo is the solubility trapping in crude oil (t), So is the oil sat-
uration, qo is the reservoir oil density (kg�m−3), is the molar
ratio of dissolved CO2 in crude oil, Mi is the molar mass of compo-
nent i (g), and zi is the molar content of component i.

2.4. Mineral trapping

Mineral trapping refers to the reaction of CO2 with water after
CO2 is injected into the formation to produce carbonic acid, which
results in the dissolution of rock minerals and the generation of
cations such as Ca2+ and Mg2+. Subsequently, these cations react
with CO2 to form new carbonate minerals [86–91]. Unlike other
storage mechanisms, mineral trapping is relatively slow, typically
occurring on a timescale ranging from 100 to 10 000 years [92].
The progress of mineralization is mainly influenced by factors such
as the formation temperature, pressure, rock mineral composition,
and formation water salinity. Because CO2 is trapped in solids
through mineralization, mineral trapping is believed to be the
safest form of storage.

According to a rock mineral composition analysis, the dominant
rock minerals in the Chang 6 formation of the Huaziping Oilfield
are quartz, feldspar, and clay minerals. The mass percentages of
quartz, potassium feldspar, oligoclase, and clay minerals are

xCO2
110
� �

23.6%, 18.2%, 30.1%, and 28.1%, respectively, and the mass percent-
age of chlorite within the clay minerals is 95.1%. Based on the
reservoir’s rock mineral composition and the minerals’ reactivity
with CO2, and for ease of calculation and analysis, the mineral
types in the target area that were mineralized with CO2 were sim-
plified to potassium feldspar, oligoclase, and chlorite. These miner-
als react with CO2 as shown below:

Potassium feldspar:
2KAlSi3O8 + 2CO2 + 11H2O=Al2Si2O5(OH)4 + 4H4SiO4 + 2HCO3

� +2Kþ

ð9Þ

Oligoclase:
CaNa4Al6Si14O40 + 34H2O+6Hþ =4Naþ +Ca2þ+6Al(OH)3 + 14H4SiO4

ð10Þ

Chlorite:
2Mg2:5Fe2:5Al2Si3O10(OH)8 + 20Hþ =5Mg2þ +5Fe2þ +4Al(OH)3 + 6H4SiO4

ð11Þ
The mineralization rate is a fundamental parameter for evaluat-

ing the CO2 storage capacity via mineral trapping. The kinetic rate
equation proposed by Lasaga et al. [93] was used to calculate the
mineralization rate, as follows:

r ¼ k � Ar �m 1�Xh
� �g ð12Þ

k ¼ k25eð
�Ea
R ð1T� 1

298:15ÞÞ ð13Þ
where r is the mineral dissolution rate (mol�s−1), k is the dissolution
rate constant (mol�m−2�s−1),m is the current mass of dissolved min-
erals (g), X is the saturation ratio of minerals, h and g are the index
factor (default is 1), k25 is the dissolution rate constant at 25 °C
(mol�m−2�s−1), Ea is the activation energy (J�mol−1), R is the
Boltzmann constant (J�K−1), T is the temperature (K), and Ar is the
mineral surface area (m2�g−1). The dissolution rate constant k of
the minerals was calculated using the Arrhenius equation (Eq. (13)).

Blum and Stillings [94] and Xu et al. [95] provided dissolution
rate constants for CO2 and various rock minerals at 25 °C through
geochemical simulation. The dissolution rate constants k25 for
potassium feldspar, oligoclase, and chlorite are 8.71 × 10−11,
2.14 × 10−10, and 7.76 × 10−12 mol�m−2�s−1, respectively. The min-
eral surface areas Ar of potassium feldspar and oligoclase have a
value of 0.01 m2�g−1, and that of chlorite has a value of
0.12 m2�g−1. Considering that the activation energy for the same
rock mineral was constant within a certain temperature range,
the dissolution rate constants for potassium feldspar, oligoclase,
and chlorite were taken as values corresponding to 25 °C under
the target reservoir temperature.
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Therefore, the CO2 storage capacity via mineral trapping can be
calculated as follows:

Mmineral ¼
X3
j¼1

4:4� 10�2
Z t

0
rdt ð14Þ

where j is the mineral types in the target area that were mineralized
with CO2, t is the duration time of the mineralization reaction.
3. Geological model of the area of interest

3.1. Geological overview

The Xingzichuan Oilfield is located in the central part of the
northern Shaanxi slope of the Ordos Basin. The structure of this
region is a monocline with a gradual dip of approximately 0.6°
from east to west and an altitude of 1100–1600 m. The Huaziping
Oilfield is a lithological reservoir located in the western part of the
Xingzichuan Oilfield, and its primary oil-bearing bed is the
Yanchang Formation (Chang 6 formation). The rock type of the
Chang 6 formation is medium to fine sandstone, with a formation
depth ranging from 1200 to 1450 m, reservoir temperature of
46 °C, initial reservoir pressure of 8.9 MPa, minimum miscibility
Fig. 4. Well locations of the Huaziping

111
�

pressure of 14.3 MPa, bubble point pressure of 5.3 MPa, effective
thickness of 14.1 m, average permeability of 9.4 × 10−4 lm2, aver-
age porosity of 9.6%, average oil saturation of 42%, reservoir oil
density of 0.79 g�cm−3, and reservoir oil viscosity of 3.4 mPa�s.
The reservoir water type is CaCl2, with a salinity of 32.14–
79.39 g L−1.

Above the reservoir, there is a caprock called the Chang 4+5 for-
mations, which consists of feldspathic debris sandstone and rock
fragment feldspathic sandstone with a thickness of 70–100 m,
mudstone content percentage of 50%–75%, permeability lower
than 1.0 × 10−4 lm2, and porosity of 1.8%–7.9%. According to a pre-
liminary evaluation, the radii of the pores and throats in the
caprock are 100–150 and 1.0–2.5 lm, respectively. The caprock
exhibits medium to small pores and fine throat characteristics,
with a moveable fluid saturation of 9.6% and a breakthrough pres-
sure of 9.9 MPa. Therefore, the caprock has a better sealing capac-
ity, making it the desired area for CO2 storage. Fig. 4 shows the well
location map of the Huaziping oil area in the Xingzichuan Oilfield.

3.2. Geological model

As the study area is a monocline structure with no fault devel-
opment and minimal structural variability, a structural model was
region in the Xingzichuan Oilfield.
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Table 2
Results of the well-testing simulations and interpretations.

Well name Permeability
(×10−4 lm2)

Fracture
half-length (m)

Fracture
conductivity (mD m)

H146-2 4.60 109.16 1551.67
H146-3 5.60 78.72 1508.52
H146-7 3.10 112.26 1334.75
�

built based on hierarchical data. By combining the controlling
effect of sedimentary facies on the reservoir’s physical properties,
a three-dimensional (3D) geological model of the area of interest
was developed using multi-level facies-controlled modeling with
Petrel software. The grid size of the model plan was 20
m × 20 m, with a vertical thickness of 1 m. Upon comparing the
well data from wells H47-17 and H40-18 with the geological
model, the actual sandstone thickness obtained through well log-
ging was found to be more than 90% consistent with the sandstone
thickness predicted by the geological model (Fig. 5).

To reduce the error resulting from the limited detection scale of
well-logging methods [96], which cannot accurately represent the
actual percolation characteristics of low-permeability tight reser-
voirs, and to further enhance the precision of the geological model,
the model was calibrated using the percolation characteristic
parameters from well testing.

To minimize the duration of the test and reduce the impact on
well production, the best well testing plan involving one injection
well and two monitoring wells was determined to be water
injection-pressure drawdown and CO2 injection-pressure draw-
down. To ensure the reliability of data acquisition, both the injec-
tion and monitoring wells were equipped with direct-reading
network transmission pressure gauges to monitor changes in the
reservoir pressure. Before injection, the monitoring wells were shut
down for 60 days. During injection, the injection well continuously
injected water and CO2 at rates of 7 and 8 t�d−1, and the injection
lasted for 120 and 60 days, respectively. After injection, pressure
monitoring was continued for 30 and 90 days for water and CO2,
respectively. The monitoring wells were shut down throughout
the testing. To minimize interference from offset wells, H146-2,
which is located at the edge of the target area, was chosen as the
injection well, whereas H146-3 and H146-7 were monitoring wells.
Offset wells were injected and produced during the testing.

Well-testing simulations and interpretations were conducted
using a homogeneous reservoir and a finite-conductivity fracture
vertical well model. The three-zone composite model for CO2

flooding includes the CO2 zone, CO2–crude oil transition zone,
and CO2 undisturbed zone. According to the interpretation results
(Table 2), the permeability around well H146-2 was
4.60 × 10−4 lm2 during water injection and CO2 injection, and
the fracture half-length and conductivity were 109.16 m and
1551.67 mD�m (1 mD = 10−3 lm2), respectively. For wells H146-
3 and H146-7, the permeability, fracture half-length, and fracture
conductivity were 5.60 × 10−4 lm2, 78.72 m, and 1508.52 mD�m;
and 3.10 × 10−4 lm2, 112.26 m, and 1334.75 mD m, respectively.

The original fracture setting in the model was calibrated using
the reservoir fracture half-length and conductivity from the well-
testing interpretation and model grid size. The permeability of
Fig. 5. Well section of the verification

112
the model was calibrated using the permeability calibration factor
(the ratio of permeability from well testing to well logging). Given
that the interpreted permeability from well logging for wells
H146-2, H146-3, and H146-7 were 8.60 × 10−4, 1.03 × 10−3, and
7.20 × 10−4 lm2, respectively, the average permeability correction
factor for the model was set to 0.50.

4. Numerical simulation of CO2 storage

Based on the geological model, numerical simulations of CO2

storage with Eclipse software were conducted for two well groups,
H146-6 and H146-2, consisting of a total of two injection wells and
ten production wells. By matching the production and injection
history data, such as the cumulative liquid production, daily oil
production rate, and overall water cut for a single well and well
groups, a numerical model with a high degree of conformity to
the actual production scenario was established (Figs. 6–8).

Two CO2 storage scenarios were simulated: continuous gas
injection (scenario 1) and water–gas alternating injection (scenario
2). Based on previous research on CO2 flooding and storage in
reservoirs, the injection rates for CO2 and water were set at 15
and 10 t�d−1, respectively. In scenario 2, continuous gas injection
was performed for the first five years, with a water–gas alternation
frequency of three months in the later injection. Based on the com-
bination factors of formation fracture pressure, actual CO2 flooding
production, and economic benefits, the constraints for both scenar-
ios were as follows: The minimum daily oil production rates were
0.15 and 0.10 m3�d−1, the gas–oil ratios were both 4000 m3�m−3,
and the maximum injection pressures at the wellhead of injection
wells were both 15 MPa. In scenario 1, the well was closed when
the daily oil production rate or gas–oil ratio reached its con-
straints; in scenario 2, the perforation was closed.

4.1. CO2 storage performance

Unlike in saline aquifer storage, injection and production occur
simultaneously during CO2 storage in oil reservoirs. The CO2 stor-
age performance not only depends on the reservoir and fluid
result for the rock facies model.
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Fig. 6. History matching results of the well group: (a) oil production cumulative and production rate; (b) water production cumulative and production rate; (c) water
injection cumulative and injection rate; (d) water cut. HM: history matching.
properties but is also closely related to the production process. For
a better understanding of the CO2 storage performance, the CO2

storage capacity is defined as the difference between the amount
of CO2 injected and the amount of CO2 produced. The CO2 storage
rate is defined as the ratio of the CO2 storage capacity to the cumu-
lative injection amount. The oil exchange ratio is defined as the
ratio of the CO2 cumulative injection to the cumulative oil incre-
ment. The simulation results in Fig. 9 show that both the reservoir
cumulative oil production and the CO2 storage capacity increase
with the injection of CO2. The oil exchange ratio initially increases
and then decreases, whereas the CO2 storage rate continuously
decreases until it stabilizes after the shut-in of the injection and
production wells. As the injection wells close over time, the oil
reservoir reaches a relatively stable state of CO2 storage 20 years
after injection.

Considering the significant differences in CO2 flooding and stor-
age performance at the different stages, CO2 storage can be divided
into three stages.

(1) Complete CO2 storage stage. This stage occurs during the
early stage of CO2 injection into the reservoir, and its duration is
relatively short. During this stage, the injected CO2 rapidly diffuses
and dissolves in the crude oil and formation water in the form of
free gas. CO2 is primarily stored via structural and solubility trap-
ping, which causes the reservoir pressure to recover rapidly. The
CO2 displacement effect gradually begins to play an important role.
The amount of CO2 stored in the reservoir is equivalent to the
amount of injected CO2 at this stage, resulting in an almost 100%
CO2 storage rate.

(2) Dynamic CO2 storage stage. In this stage, CO2 is produced in
various forms in the sequence of dissolved gas, dissolved-free gas,
113
and free gas. Owing to the differences in reservoir properties con-
trolled by production wells and their connectivity with injection
wells, the production of CO2 and the time to trigger constraints
for different wells are different, resulting in CO2 storage within this
dynamic production process. During the dissolved gas production
stage, a large amount of crude oil is produced, leading to a rapid
increase in the cumulative oil production and oil exchange ratio.
The dissolved CO2 in the reservoir crude oil gradually escapes as
the pressure decreases. However, the impact of the dissolved gas
production on the CO2 storage efficiency is not significant, and
the amount of stored CO2 continues to increase rapidly. At this
stage, the CO2 storage rate is approximately 95%. As the CO2 injec-
tion continues, the produced CO2 gradually shifts from dissolved
gas to free gas. With the further production of crude oil, the oil
exchange ratio reaches its maximum value, whereas the CO2 stor-
age rate rapidly decreases. For example, in scenario 1, the oil
exchange ratio reaches 0.28; however, the CO2 storage rate
decreases to approximately 82%. As CO2 channeling begins, free
gas production increases, causing a decrease in the oil exchange
ratio, and the CO2 storage rate for the well groups drops to its low-
est point, with the produced CO2 existing in the form of free gas.
During the free-gas stage, CO2 channeling in the reservoir is fully
established, and the injected CO2 flows through CO2 channeling
and is produced by the production wells. A large amount of CO2

is inefficiently circulated between the injection and production
wells. During this period, the amount of stored CO2 remained
unchanged, and the wells are closed until the production well con-
straints are triggered. In the production process of the well groups,
owing to the existence of multiple production wells, the well group
performances differ when some of the wells are closed by
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Fig. 7. History matching results of the injection well for H146-2: (a) oil production cumulative and production rate; (b) liquid production rate; (c) water injection rate; (d)
bottom hole pressure.
triggering constraints, resulting in a change in the CO2 seepage
pathway. Therefore, residual oil that has not been previously dis-
turbed by the CO2 is mobilized, which leads to further increases
in the cumulative oil production and CO2 storage capacity of the
reservoir. The oil exchange ratio gradually decreases, the CO2 stor-
age rate increases, and the produced CO2 returns to the dissolved-
free gas form. Therefore, during reservoir development, the dis-
solved free gas CO2 production phase and free gas CO2 production
phase are generally closely connected.

(3) Stable CO2 storage stage. In this stage, all CO2 injection and
production wells are closed. Without CO2 geological leakage, stable
CO2 storage in a reservoir can be achieved. This stage lasts the
longest, and the evolution of CO2 storage in the reservoir mainly
occurs during this stage.

Because of the different critical conditions and the influence of
the production performance of well H146-4 (in scenario 1, this
well is closed 11 months after CO2 injection), the CO2 flooding
and storage for the well groups under the two scenarios differ in
the corresponding time period. Table 3 shows the CO2 flooding
and storage effects in the reservoir over a period of 100 years under
the two scenarios. It can be seen that, on a time scale of over
100 years for CO2 storage, the water–gas alternation scenario has
a larger impact than the continuous gas injection scenario, which
means that the CO2 displaces more reservoir crude oil with
water–gas alternation. Therefore, compared with scenario 1, sce-
nario 2 has a higher oil increment and oil exchange ratio, with
its cumulative oil increment and oil exchange ratio being 1.24
and 1.25 times those of scenario 1, respectively. Because water–
gas alternation has an anti-gas-channeling effect under the same
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gas–oil ratio and bottom-hole pressure constraints, scenario 2
requires a longer time to trigger the critical well shut-in condition.
In addition, once scenario 2 reaches its gas–oil ratio constraint,
only the perforation is closed, which results in a higher gas produc-
tion rate. If the amount of injected CO2 is the same, scenario 2 has a
lower CO2 storage capacity and storage rate, which are reduced by
6.78% and 24.59%, respectively, compared with those of scenario 1.
This can also be demonstrated by the change in the oil exchange
ratio and storage rate when free gas is produced in scenario 2.

4.2. Evolution of CO2 storage mechanisms

According to the numerical simulation results, the CO2 storage
mechanisms and their partitioning of the reservoir CO2 storage
change over time (Fig. 10). After CO2 is injected into the reservoir,
CO2 rapidly moves toward the near-well zone in the form of free
gas, owing to the injection well pressure. It also dissolves in the
formation fluid through diffusion. Therefore, during the complete
CO2 storage stage, structural and solubility trapping are the pri-
mary CO2 storage mechanisms, with the proportions of storage
capacities of 32.31% and 67.62%, respectively. Because the diffusion
coefficient and solubility of CO2 are higher in crude oil than in for-
mation water, more CO2 can be dissolved in the reservoir crude oil.
Therefore, the CO2 storage capacity for solubility trapping in the
crude oil is higher than that in the formation water. The propor-
tions of solubility-trapping capacity in oil and water were 39.08%
and 28.54% of the total storage, respectively.

As the continuous injection and production of CO2 proceed, CO2

gradually migrates into deeper reservoirs, and reservoir connate
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Fig. 8. History matching results of a production well for H146-7: (a) oil production cumulative and production rate; (b) water production cumulative and production rate; (c)
liquid production rate; (d) water cut.

Fig. 9. CO2 injection, flooding, and storage performance under different injection scenarios for over 20 years. (a) Continuous gas injection; (b) water–gas alternation.
fluids are produced. The pore spaces previously occupied by con-
nate fluids are filled with the injected CO2, and the proportion of
solubility trapping capacity gradually decreases while the propor-
tion of structural trapping capacity increases. Simultaneously, due
to the effect of capillary force, some CO2 is trapped in the microp-
ore throats of the reservoir, causing residual trapping. Taking sce-
nario 1 as an example, before the closure of the injection wells, the
proportions of structural trapping, residual trapping, and solubility
trapping capacities are 64.60%, 6.97%, and 28.38%, respectively. The
proportions of the solubility-trapping capacities in crude oil and
115
formation water are 19.53% and 8.85% of the total storage,
respectively.

When the injection wells are closed upon reaching their pres-
sure constraints, changes occur in the reservoir seepage field. The
CO2 near the injection wells continues to migrate forward, the for-
mation water retreats and re-saturates the pore space, and fluid
seepage in the porous medium enters the imbibition process.
Due to the non-wetting phase, the relative permeability of the
CO2 in the imbibition process is always lower than that in the dis-
placement process under the same saturation; a large amount of
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Table 3
CO2 flooding and storage performance in reservoir over 100 years for the continuous gas injection and water–gas alternating injection scenarios.

Injection scenario Cumulative injection (×105 t) Cumulative oil increment (×104 t) Storage capacity (×104 t) Oil exchange ratio Storage rate (%)

Scenario 1 1.036 2.51 6.34 0.24 61
Scenario 2 1.044 3.12 4.62 0.30 46

Fig. 10. Evolution of CO2 storage mechanisms for different injection scenarios. (a, c) Scenario 1; (b, d) scenario 2.
free CO2 is trapped, resulting in a decline in the structural trapping
capacity and an increase in the residual trapping capacity. Taking
scenario 1 as an example, the proportions of structural trapping,
residual trapping, and solubility trapping capacities are 37.36%,
33.95%, and 28.64%, respectively.

Unlike other storage mechanisms, the mineral trapping process
is extremely slow, resulting in a relatively low mineral trapping
capacity. However, at longer timescales, the mineral-trapping
capacity increases. According to the numerical simulation results,
under both scenarios, the proportions of the reservoir’s CO2 min-
eral trapping capacities are 0.10% and 0.25% for 20 years, and
0.21% and 0.49% for 100 years. Based on the mineralization rate
in the target area, the proportions of the CO2 mineral trapping
capacity for the two scenarios are assumed to be 1.24% and
2.07%, respectively, after 1000 years.

After stopping the injection, the evolution law of the CO2 stor-
age mechanism is basically consistent with relevant research
results [97,98]. However, the average reservoir permeability of
SACROC, a large oilfield in the United States, is 1.94 × 10−2 lm2,
its oil saturation is 78.1%, the original formation pressure is
31.2 MPa, the minimum miscible pressure of CO2–oil is
16.4 MPa, the block is of miscible flooding, and the CO2 solubility
in oil is about 30–40 times greater than its solubility in formation
water. In comparison, the average reservoir permeability of the
Huaziping Oilfield is 9.4 × 10−4 lm2, its oil saturation is 42%, the
original formation pressure is 8.9 MPa, and the minimum miscible
pressure of CO2–oil is 14.3 MPa, which is immiscible flooding.
Moreover, the CO2 solubility in oil is only about seven times
greater than its solubility in formation water. Due to the large dif-
ferences between the Huaziping Oilfield reservoir’s physical and
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fluid properties and those of the SACROC oilfield, the proportions
of structural and residual trapping in Huaziping Oilfield is higher,
and the proportion of CO2 dissolved in oil trapping is less than that
in SACROC. In the SACROC oilfield, the structural trapping accounts
for 18%, the proportion of residual trapping is 18%, and the propor-
tion of CO2 dissolved in oil trapping is 62%.

With the extension of the time scale, the storage capacity of CO2

mineralization increases gradually. It is worth noting that, due to
the low water saturation of the reservoir, and because the CO2

migration range affected by the injection and production develop-
ment process is relatively small, the timescale of CO2 mineraliza-
tion and sequestration in the reservoir is generally greater than
100 years [33,99], which is consistent with our research. Because
of the influence of the reservoir’s physical properties, mineral com-
position, formation temperature, and pressure, the ratio of CO2

mineral trapping in the Huaziping Oilfield is much lower than that
in the SACROC Oilfield, where the ratio of mineral trapping is less
than 2.5% in 200 years, or that in the Jilin Oilfield in China, where
the ratio of mineral trapping is 16% in 800 years.

Table 4 shows the results of the CO2 storage capacity and its
percentage in the reservoir over 100 years for the continuous gas
injection and water–gas alternating injection scenarios. Compared
with scenario 1, scenario 2 has a higher percentage of CO2 residual,
solubility, and mineral trapping capacity. This is primarily due to
the large amount of formation water injected into the reservoir
in scenario 2. Under a similar reservoir pressure, the more CO2 dis-
solves in the formation water, the higher the solubility trapping
capacity. Furthermore, carbic acid is formed due to the dissolution
of CO2, resulting in a broader scope of CO2–water–rock mineraliza-
tion and a larger CO2 mineral trapping capacity, with a higher
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Table 4
CO2 storage capacity and its percentage in the reservoir over 100 years for the continuous gas injection and water–gas alternating injection scenarios.

Injection
scenario

CO2 storage capacity (×104 t) CO2 storage capacity proportion (%)

Structural
trapping

Residual
trapping

Mineral
trapping

Structural
trapping

Residual
trapping

Mineral
trapping

Solubility trapping Solubility trapping

Crude
oil

Formation
water

Crude
oil

Formation
water

Scenario 1 2.10 2.14 1.45 0.59 0.0155 33.36 33.96 23.02 9.41 0.25
Scenario 2 0.70 1.78 1.47 0.65 0.0225 15.09 38.65 31.80 13.97 0.49
percentage of total storage. In addition, the gas–water contact
increases owing to the alternating gas–water injection, which
causes an increase in fluid migration resistance. Under imbibition
conditions, free CO2 is captured more easily in the porous media
of the reservoir, resulting in residual trapping. Compared with con-
tinuous gas injection, water–gas alternating injection has a higher
capacity for residual trapping, solubility trapping, and mineral
trapping, but a relatively lower capacity for structural trapping,
which is consistent with relevant studies [98]. The percentage of
the residual trapping capacity in scenario 2 is higher; however,
because the total CO2 storage capacity and storage rate in scenario
2 are lower, the CO2 residual trapping capacity is slightly lower
than that in scenario 1. Although more crude oil is produced
through scenario 2, the injection wells in scenario 2 close at a later
time (the injection durations for the H146-6 and H146-2 wells are
extended by 38 and 72 months, respectively, compared with those
in scenario 1), resulting in a slower injection of CO2 into the forma-
tion. This prolongs the contact time of the CO2 with the remaining
oil in the less accessible areas of the reservoir. The CO2 solubility
trapping in the crude oil is higher in scenario 2 under the same
reservoir pressure.

Based on the above research and considering the effects of the
CO2 storage mechanisms and their partitioning into the reservoir’s
CO2 storage capacity over time, a diagram of the evolution of the
CO2 storage mechanisms in a low-permeability tight sandstone
reservoir was developed (Fig. 11). In the early stages of CO2 injec-
tion, structural and solubility trapping dominate, typically lasting
for less than ten years. As crude oil is continuously produced until
the injection–production wells are closed, the reservoir develop-
ment life cycle ends, the structural and solubility trapping capaci-
ties decrease, and the residual trapping capacity increases. During
this stage, CO2 storage mainly consists of structural, residual, and
solubility trapping, with a timescale of approximately 10–
100 years. At the end of the reservoir life cycle, the CO2 storage
Fig. 11. Evolution diagram of CO2 storage mechanisms in low-permeability tight
sandstone reservoirs.
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in the reservoir enters a stage similar to that of saline aquifer.
The CO2 storage mechanism gradually transforms into solubility
trapping from structure trapping and residual trapping, ultimately
leading to mineral trapping because of the long-term contact
between the CO2 and the formation water. Therefore, the structure,
residual, and solubility trapping capacities decrease, and the min-
eral trapping capacity increases. As CO2 is injected and produced
during the reservoir CO2 storage process, the CO2 storage rate dur-
ing the stable storage stage is approximately 40%–70%.

The evolutionary principle of the reservoir CO2 storage mecha-
nism in the diagram is generally consistent with the Intergovern-
mental Panel on Climate Change (IPCC) study results [33], but
the results in the IPCC study are mainly based on a saline aquifer
sequestration scenario, and the CO2 storage rate is 100%. In the cur-
rent example, CO2 is produced in the reservoir CO2 storage process,
and the CO2 storage rate is less than 100%. Under the development
systems, the CO2 storage rate in the Huaziping field is 40%–70%,
which is consistent with the results of relevant reports [100]. It
should be noted that the solubility of CO2 in oil is higher than that
in formation water. After CO2 injection, a large part of the CO2 is
dissolved in oil, and the contribution of the structural storage in
the reservoir is much lower than that in a saline aquifer storage
scenario, which is especially obvious in the early stage of CO2 stor-
age. Due to the low water saturation of the reservoir, the mineral
storage in the reservoir takes a longer time to play a role, and
the proportion of CO2 mineral storage in the reservoir is about
18% at 10 000 years, which is lower than the results of the IPCC
study (about 30% of the mineral storage). In addition, due to the
low permeability, small pore throat, and complex structure of the
Huaziping reservoir, the proportion of residual trapping is higher
than that of a medium- and high-permeability reservoir, which
accounts for 15%–25% [101].
5. Discussion

This study proposes a method for evaluating the evolution of
CO2 storage mechanisms. A mathematical model considering
structural, residual, solubility, and mineral trapping for estimating
CO2 storage capacity was established through gas–water relative
permeability, the CO2 phase, and water–rock simulation experi-
ments. Well test results were used to calibrate the established geo-
logical models. Based on these models, a numerical simulation of
CO2 flooding and storage was performed to determine the variation
in CO2 storage capacity corresponding to different CO2 storage
mechanisms in a low-permeability tight sandstone reservoir.

The evolution of the CO2 storage mechanism is a complex and
gradual process over a long timescale. Related studies have typi-
cally been conducted using numerical simulations. In the present
study, the time range of the evolution of the reservoir’s CO2 storage
mechanisms was extended from 100 to 10 000 years, which signif-
icantly expanded the evolution process of the CO2 storage mecha-
nisms and provided technical support for understanding the CO2

storage evolutionary mechanisms, including structural trapping,
residual trapping, solubility trapping (in crude oil and formation
water), and mineral trapping, over a large timescale. The variations
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in the estimated CO2 storage capacities corresponding to the differ-
ent storage mechanisms obtained in this study are consistent with
related research results [68,97]. However, owing to differences in
reservoir physical properties, fluid properties, rock or mineral com-
positions, and development strategies, each storage mechanism
dominates the partitioning at a different time period.

Because the evolutionary principles and controlling factors of
CO2 storage mechanisms differ, in order to further improve the
evolutionary principles of reservoir CO2 storage mechanisms, dif-
ferent storage evolutionary mechanisms need to be identified in
terms of their complexities in microscopic effects and transforma-
tion mechanisms. Simultaneously, the evolution of the CO2 storage
mechanism should be continuously verified and improved using
the long-term CO2 storage dynamic monitoring results of low-
permeability tight sandstone reservoirs.
6. Conclusions

Based on a mathematical model for the evaluation of CO2

storage capacity and a geological model calibrated from well test
results, the evolution of the CO2 storage mechanism for a low-
permeability tight sandstone reservoir across a large-term time-
scale was established through numerical simulation. According
to the results, CO2 storage has the significant stage characteris-
tics of complete storage, dynamic storage, and stable storage
throughout the entire reservoir life cycle. The CO2 storage capac-
ity and storage rate under the continuous gas injection scenario
are 6.34 × 104 t and 61%, and those under the water–gas alternat-
ing scenario are 4.62 × 104 t and 46%, respectively. The propor-
tions of storage capacity for scenarios 1 and 2 for structural or
stratigraphic, residual, solubility, and mineral trapping are
33.36%, 33.96%, 32.43%, and 0.25%; and 15.09%, 38.65%, 45.77%,
and 0.49%, respectively.

The evolution of the CO2 storage mechanism showed an overall
trend: stratigraphic and residual trapping first increased and then
decreased, whereas solubility trapping gradually decreased, and
mineral trapping continuously increased. Based on this result, an
evolution diagram of the CO2 storage mechanism of a low-
permeability tight sandstone reservoir across a large-term time-
scale was established, which provides technical support for deter-
mining CO2 storage evolutionary mechanisms, including structural
trapping, residual trapping, solubility trapping (in crude oil and
formation water), and mineral trapping over a large timescale.
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