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ABSTRACT

The condensate blockage causes a substantial decrease in well productivity for gas condensate reservoirs.
Based on the previous studies, a novel experimental method was designed to evaluate condensate
blockage and the mitigating effect of gas injection. The method considers the stacking effect in the near
wellbore region and the gas flow in the far wellbore region. There is an intermediate vessel containing
condensate gas at the entrance of core holder in the experimental apparatus. In the process of pressure
depletion experiment in a long core model, the vessel is connected to the core and the pressure of the
vessel remains above the dew point pressure. The seriousness of condensate blockage is investigated by
this research. When pressure drops to maximum retrograde condensation pressure, the gas permeability
decreases by 80% compared with the initial gas permeability. Contrastive experiments were conducted to
study the removal effect of different injection fluids and different injection volumes. The results show
that CO, injection is more effective than methanol in mitigating condensate blockage and the optimal

CO; injection volume is around 0.15 HCPV.
© 2018 Southwest Petroleum University. Production and hosting by Elsevier B.V. on behalf of KeAi
Communications Co., Ltd. This is an open access article under the CC BY-NC-ND license (http://

creativecommons.org/licenses/by-nc-nd/4.0/).

1. Introduction

For gas condensate reservoirs exploited by pressure depletion,
heavy ends in gas liquefy into condensate in reservoir when the
formation pressure is below the dew point pressure. Condensate
adheres to rock surface as oil film, or stays in the pore as oil droplet.
Condensate cannot be mobilized due to adsorption and capillary
force until its saturation is over critical flow saturation. In reservoir,
there is a zone of increased condensate blockage called “condensate
bank” or “condensate ring”. Both area and condensate saturation of
the zone increase gradually [1]. The condensate accumulation will
block gas flow, reduce the gas relative permeability, and ultimately
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weaken the well's productivity [2—4]. This is known as condensate
blockage, which was first addressed by Muskat in gas cycling op-
erations [5].

The condensate saturation in the near wellbore region can reach
as high as 50%—60% under pseudo steady-state flow of gas and
condensate [6]. Simulation and laboratory studies have indicated
that condensate saturation around the wellbore may reach 70% [7].
The decrease of gas relative permeability by 70%—95% was
measured for cores from gas condensate reservoirs in Saudi Arabia
[8]. Paiaman conducted a field case study work of well MN-222 in
Khami gas-condensate reservoir. The well MN-222 was in severe
loss of productivity, the pressure of which decreased from 6300
Psia to 4200 Psia just after 3 years of production [9]. In Barnum's
study of a gas condensate reservoir, the gas well productivity
decreased rapidly until zero after the bottom hole flowing pressure
is below the dew point pressure [10]. For a high-saturated
condensate gas reservoir with rich condensate oil, 80% of conden-
sate oil remains in the reservoir [11]. Single well simulation
demonstrated that condensate blockage can increase the pressure
drop up to 200% of the pressure drop in the tubing [12].

The gas condensate reservoir can be divided into three different
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regions according to the fluid flow condition as following [13,14]:

Region 1: An inner region near well bore containing gas and
condensate where both gas and condensate flow simultaneously at
different velocities.

Region 2: A middle region containing gas and condensate where
only gas is flowing.

Region 3: An outer region containing single-phase and saturated
with the original gas.

The condensate accumulation around the wellbore comes from
both Region 1 and Region 2. The condensate forming in Region 2
can be divided into two parts. Part of condensate adheres to the
rock surface, and can not move because its saturation is lower than
the critical flow saturation. Another part of condensate is dispersed
in gas in the form of droplet, and will move to and stay at Region 1
with gas flowing from Region 2 to Region 1, which can be called as
the stacking effect. The experimental method proposed in this
paper considers this mechanism.

At present, experiment, well testing interpretation and numer-
ical simulation are the main research methods to evaluate
condensate blockage. The variation of gas relative permeability is
the main evaluation index [15]. Experiments of quantifying the loss
in relative permeability values showed that gas and condensate
relative permeability values are almost equal at steady state flow of
gas and condensate, and dynamic condensate accumulation is
influenced by flow rate [16]. The condensate blockage is serious
regardless of reservoir permeability. Based on numerical compo-
sitional simulation, Allahyari confirmed that the reduction of well
deliverability for a low-permeability gas reservoir is more than that
of the high-permeability [17]. Anazi confirmed that significant
productivity loss can also occur in high permeability reservoirs. The
gas relative permeability reduction of more than 90% resulting from
condensate blockage was measured both in 2—5 mD limestone
cores and in 246—378 mD sandstone cores [18]. Long core experi-
ments conducted by Tang showed that 70% gas phase permeability
decrease occurs in the range of 20% condensate saturation [19]. This
result suggested that condensate blockage is very serious in the
early stage of its occurrence. Liu tested the effect of condensate
blockage on gas relative permeability for rich condensate content
fluid (347.65 g/m>). Conduct core depletion experiment first, thus
measure gas relative permeability with equilibrium gas displace-
ment. Experiment results showed that gas permeability reduces by
almost half when the pressure falls to maximum retrograde
condensation pressure [3]. Mott designed a pseudosteady-state
experiment method to measure the high-rate relative perme-
ability of North Sea sandstone core. The method adds an inlet
accumulator containing gas-condensate fluid at a higher pressure
than core pressure. Only gas from the inlet accumulator was
injected into the core, which mimics the process in the near well
region, where rich gas flows into a region of lower pressure,
condensing liquid and increasing the liquid saturation until it is
mobile. This technique measures krg as a function of krg/kro and
capillary number [6]. High flowing rate affects capillary number
and forms inertial flow. The capillary number has positive influence
on mobility, while inertial flow has negative influence on mobility.
The high-rate permeability experiment conducted by Mott showed
that the positive influence of capillary number is primary [20]. App
measured relative permeability for a rich gas condensate reservoir
using a live, single-phase reservoir fluid. Two-phase-flow tests
were performed across a range of pressures and flow rates to
simulate reservoir conditions from initial production through
depletion [21].

The methods to mitigate the condensate blockage include
injecting solvents and wettability-alteration chemicals, gas cycling,
injecting nitrogen and carbon dioxide, drilling horizontal wells,
hydraulic fracturing and acidizing. Sayed presented the advantages

and disadvantages and field application of these methods [22]. In
this paper, the effects of injecting methanol and carbon dioxide on
mitigating condensate blockage are studied.

Methanol is a volatile polar substance, which can dissolve in
water and oil, promote evaporation of water, and reduce the
interfacial tension. Asgari experimentally investigated the appli-
cation of methanol injection. The results showed that gas relative
permeability increased by approximately 30%—60%. A greater
reduction in gas relative permeability occurred in the presence of
water saturation [23]. Asgari simulated the effect of methanol
treatment on condensate blockage using the cubic-plus-association
(CPA) equation of state The result showed that methanol treatment
can improve gas permeability by a factor of about 1.3—1.6 [24].
Hamoud found that methanol treatments resulted in a significant
and temporary enhancement in productivity for both low and high
permeability cores by experimental research [18].

CO; can dissolve in condensate, swell condensate and reduce its
viscosity and promotes the evaporation of condensate as well. The
acidity of formation water increases after CO, dissolution. The
injected CO; can be miscible with the remaining fluid system,
vaporize the hydrocarbon, and maintain the system as a single gas
phase [25]. CO; injection is one of the most effective technical
remedies to reduce the liquid formation and achieve higher gas
production. Simulation-based optimization of CO; injection found
that CO; injection can improve the C; component recovery by more
than 40% [26]. Fath investigated the effects of different types of
gases (CO,, Ny and Cq) for gas cycling through a compositional
simulation of an Iranian gas condensate reservoir [27]. CO2 injec-
tion shows the best efficiency. Furthermore, Fath evaluated
different CO, injection parameters to determine optimum condi-
tions for CO, injection [28]. Optimization of huff-n-puff gas injec-
tion in a shale gas condensate reservoir found that the optimum
injection time is the time during which the pressure of the main
condensate region is higher than dew point pressure [29]. Su
conducted experimental investigations and modeling simulation of
CO; injection, which showed that CO, injection is more effective
than water flooding. CO, treatment can improve gas productivity
by a factor of about 1.39 compared with the water flooding [30].
Abri experimentally studied velocity-dependent relative perme-
ability and recovery efficiency of supercritical CO, injection into gas
condensate reservoirs [31]. Results showed that slower displace-
ment flow rates yield greater condensate recovery and later
breakthrough for condensate displacement, while faster rates yield
better sweep efficiency and relative permeability for gas
displacement.

The core flooding experimental methods used to study
condensate blockage can be divided into steady-state and
pseudosteady-state. The steady-state is established by injecting
both gas and condensate from separate vessels at a constant rate. In
steady-state method, the liquid saturation cannot exceed the crit-
ical condensate saturation. The steady-state method does not
reflect the condensate gas phase characteristics caused by pressure
reduction. The pseudosteady-state method injects gas into the core,
and reduces core pressure. The pseudosteady-state method reflects
the liquefaction of condensate gas in the core, but ignoring the
stacking effect.

The experiment method designed by Du [32] connects a
container with gas sample in the core holder inlet, which simul-
taneously depletes with core to mimic the gas single-phase flow in
far wellbore and stacking effect in near wellbore. One deficiency of
this approach is that part of condensate settles at the bottom of a
vessel by gravity when the vessel pressure is lower than dew point
pressure. Therefore, the condensate blockage measured by the
experiment method is underestimated. In view of this problem, this
paper proposes an improved condensate blockage evaluation
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method, considering both the stacking effect in near wellbore and
the gas single-phase flow in far wellbore. The proposed experiment
method is applied to test the condensate blockage of a gas
condensate reservoir and to study the removal effect of different
injection fluids and different injection volumes.

2. Experiment procedure
2.1. Experimental apparatus set up

The experiment apparatus of evaluating condensate blockage is
on the basis of the long core displacement device, which is shown
in Fig. 1. The apparatus consists of pumps, long core holder, back-
pressure regulator, pressure instrument, temperature control sys-
tem, fluid diverter, gasometer and gas chromatograph.

Three pumps are used to inject fluid at a constant rate respec-
tively, to provide overburden pressure and control the downstream
of the core with backpressure regulator.

Long core holder with a variable length of 1 m is the key part,
consisting of long core barrel, rubber sleeve and axial connector.

Conical flask and gasometer are used to accumulate the dis-
placed gas and condensate. The whole apparatus was put in a
temperature-controlled oven, and three pressure sensors were
installed in the inlet, outlet and radial outside of long core holder
respectively.

2.2. Core preparation

At first, cores with 2.5 cm diameter were cut from a source rock
block. The cores were then dried in an oven at 60 °C. The porosity of
the cores is measured using a Vinci helium porosimeter. The
permeability of cores was measured by displacing with dry gas.
Twelve cores with permeability greater than 1 mD are chosen as
core samples of the experiment. Table 1 shows the physical prop-
erties of cores. The length and pore volume of the composite core
are respectively 89.34 cm and 48.65 ml. The average porosity and
permeability of cores are 11.12% and 1.4 mD, respectively.

Table 1
Characteristic parameters of cores.

NO Length (cm) Diameter (cm) Porosity (%) Permeability (mD)

1 7.96 2.50 104 1.63
2 6.72 2.50 11.8 1.56
3 7.99 2.50 10.6 1.48
4 7.02 2.50 119 1.47
5 7.46 2.50 10.1 1.43
6 7.54 2.50 113 1.42
7 7.78 2.50 111 1.42
8 7.59 2.50 119 1.38
9 7.02 2.50 113 1.26
10 8.22 2.50 9.90 1.24
11 6.54 2.50 11.6 1.23
12 7.51 2.50 11.6 1.23

2.3. Gas mixture preparation

The condensate gas sample used in the experiment was pre-
pared with wellhead gas sample and separator oil sample from a
condensate gas reservoir. In the condition of reservoir temperature
(139°C), prepare condensate gas sample according to saturation
pressure (33.46 MPa) and GOR (1407.8 m®/m?). Sample is checked
up by well flow test, dew point test, constant volume depletion
(CVD) and constant composition expansion (CCE) of fluid sample.

Table 2 shows the composition analysis of gas sample. The
tested dew point pressure displays that in reservoir temperature
(138.9°C), the dew point pressure of fluid is 33.5 MPa, which
conforms to the sample preparation requirements. Fig. 2 shows the
tested results of CVD. The maximum retrograde saturation is 28.0%,
and the corresponding pressure is 15.5 MPa (Psomax)- The gas vis-
cosity is as shown in Fig. 3. Store the condensate gas at Psomax as
equilibrium gas, which is used to displace core in experiment.

Besides formation gas sample, formation water. methanol and
CO, were also needed for the experiment. Formation water was
prepared by the formation water analysis report of Well Chang43,
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Fig. 1. Schematic diagram of experiment apparatus.



Z. Wang et al. / Petroleum 4 (2018) 292—299 295

Table 2
Formation fluid samples composition.
Component Molar content,% Component Molar content,%
N, 0.055 nCs 0.398
CO, 1.984 Cs 0.840
C 72.944 C7 0.949
C 9.976 Cg 1.777
Cs 3.922 Co 0.781
iCy 0.992 Cio 0.532
nCy 0.940 Ci14 0.344
iCs 0.613 \ \
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Fig. 3. Measured gas viscosity curve with pressure.

which is shown in Table 3. When pressure is lower than saturation
pressure (33.4 MPa), condensate gas liquefy and the gas composi-
tion changes. Therefore, gas viscosity curve has an inflection point
around 33.4 MPa.

2.4. Experiment procedure

This paper designs the condensate blockage evaluation experi-
ment with the consideration of stacking effect and gas supply in the
far wellbore area. The specific experimental process is presented
below:

Table 3
Formation water quality analysis report.

(1) Assemble the experiment devices according to the connec-
tion shown in Fig. 1. Schematic diagram of experiment
apparatus. Clean experiment equipment and check its
leakage.

(2) The 12 cores were loaded into the core holder in descending
order of core permeability, with the permeability of inlet core
being maximum. Vacuum the core holder.

(3) Set the oven temperature as 138.9 °C.The core holder was
placed inside the oven for 10h to ensure it reached the
desired reservoir temperature. Displace the core with water.
Then, displace the core with dry gas to form residual water.

(4) Set the backpressure regulator pressure as 63 MPa, which is
2 MPa higher than the initial reservoir pressure. Inject dry
gas into core until the core inlet pressure reaches to the
initial reservoir pressure. Dismantle the intermediate vessel
containing water and the intermediate vessel containing dry
gas.

(5) Inject fluid sample into the core until the GOR of fluid in
outlet is almost equal to 1405 m3/m>, Test the gas perme-
ability, GOR and pressure difference under this condition.
The tested gas permeability is marked as K1.

(6) Launch the pressure depletion experiment in a long core
model with the inlet valve on and the backpressure regulator
set as Psomax. During the process, keep the pressure of the
intermediate vessel above Pgew, SO the intermediate vessel
can simulate Region3. What the core holder simulates is
Region1. The slightly open inlet valve between intermediate
vessel and core holder means that the only gas can move
from Region3 to Region1 in single-phase flow without car-
rying condensate, and form condensate in Regionl. The
pressure drop rate of pressure depletion experiment is kept
at 1 MPa/h. In the above case, record the pressure difference
between the ends of the core, and test the GOR of fluid in
outlet everytime the pressure drops by 2 MPa. When the
pressure reaches to Psomax and maintains stable, displace the
core with equilibrium gas, and test the gas permeability, GOR
and pressure difference under this condition. The tested gas
permeability, GOR and pressure difference are marked as K2,
GOR1 and AP1, respectively.

(7) Turn off the inlet valve, reversely inject methanol or CO,
from the outlet at Psomax. When the pressures of inlet and
outlet are stable, turn on the inlet valve, forward inject
equilibrium gas from the inlet. When the pressure is stable,
test the gas relative permeability, GOR and pressure differ-
ence under this condition. The tested gas permeability, GOR
and pressure difference are marked as K3, GOR2 and AP2,
respectively.

(8) Wash the cores with petroleum ether and alcohol to prepare
the next experiment. Then the experimental study of
different injection fluids and different injection volumes was
conducted.

3. Experimental results and discussions

The designed experiment method was applied to measure the

condensate blockage value, and effects of different injected

Formation water ion content (mg/l)

Water type

Cation Anion Mineralization
K*+Na® Ca? Mg?* cl S03 HCO3 co%
1654.6 15.2 123 21279 339 793.6 0 4637.4 MgCl,




296 Z. Wang et al. / Petroleum 4 (2018) 292—299

chemicals and different gas injection volume were studied. The gas
injected are respectively 0.05 HCPV CO,, 0.1 HCPV CO,, 0.15 HCPV
CO3, 0.2 HCPV CO; and 0.1 HCPV methanol.

According to the PVT experiment, the dew point pressure of
fluid sample is 33.5 MPa, and the maximum retrograde condensa-
tion pressure of fluid sample is 15.5 MPa.

According to the published literature, the decrease value of gas
permeability (marked as dKg) is adopted after core depletion
experiment to evaluate the degree of condensate blockage. The gas
permeability recovery times, GOR decrease degree and pressure
difference decrease degree are used to evaluate the effect of
removing condensate blockage, which are respectively marked as
BKg, dGOR and 0AP. The mathematical implications of these eval-
uation indexes are as follows:

L (1)
Brg = g (2)
0cor = % (3)
bp =201 AP2 (4)

3.1. Different injection fluids

Figs. 4—7 show the comparison results of different injection
fluids. The depletion experiment results (before 46 h) are almost
the same, which show the same condensate blockage process. On
this basis, the experiment results of different injection gases can be
compared. As shown in Fig. 4~Fig. 5, when the pressure is above the
dew point pressure, the pressure difference at the ends of the core
is almost stable at 4 MPa and the GOR is stable at 1410—1450 m>/
m>. The gas permeability increases and then decreases with the
reduction of pressure. The analyses indicate that the increase in the
gas permeability is due to the decrease of gas viscosity. When the
core pressure is below the dew point pressure (at 27 h), condensate
dropout occurs and the pressure difference increases gradually,
which reaches 12.2 MPa at Psomax (at 46 h). Meanwhile, with the
heavy component liquefying into condensate, the GOR increases
rapidly, and reach 8293 m®/m? at Psomax. Compared with initial gas
permeability (0.098 mD), the gas permeability at the end of
depletion experiment is 0.021 mD, which decreases by 78%.

Table 4 shows the key data of CO, injection and methanol

12 } —® 0.IHCPV methanol
—— 0.1HCPV CO2

AP/MPa

0 10 20 30 40 50 60
Time/h

Fig. 4. Pressure difference measured with time (0.1 HCPV CO, and 0.1 HCPV
methanol).

9000
—i— Before methanol injection
—~ —e— Before CO, injection
‘e 6000 |
E
e
g
S 3000
0

0 10 20 30 40 50 60 70
P/MPa

Fig. 5. GOR measured with pressure in the process of pressure depletion (before
methanol injecting and before CO, injecting).

10000 L
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o 8371 8310
g
" 8000 7563
P~ I
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Qo
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5000
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Injecting methanol

Fig. 6. Comparison of GOR before and after injection (0.1 HCPV methanol and 0.1 HCPV
CO,).
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After CO, injection

Kg/(mD)

0.02
0.00
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P/MPa

Fig. 7. Gas permeability vs. pressure (0.1 HCPV CO, injection and 0.1 HCPV methanol).

injection. As shown in Table 4, the gas permeability decrease degree
in depletion stage shows the similar behavior during CO; injection
and methanol injection. Both of CO, and methanol can effectively
remove condensate blockage, but CO; injection is better according
to gas permeability recovery times, GOR and pressure difference
decrease degree. The gas permeability after methanol injection
(0.35 mD) is 1.59 times that before injection (0.022 mD), which the
gas permeability after CO; injection is 2.14 times that before in-
jection. Injecting methanol reduces pressure difference from
12.3 MPa to 9.4 MPa, which is reduced by 23.6%. However, injecting
CO; reduces pressure difference from 12.2 MPa to 8.2 MPa, which is
reduced by 32.8%. As shown in Fig. 9, Injecting methanol reduces
GOR from 8310 m3/m® to 7789 m3/m3, which is reduced by 6.3%.
However, injecting CO, reduces pressure difference from 8371 m>/
m? to 7563 m3/m>, which is reduced by 9.65%.
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Table 4
Comparison of experiment data between CO; injection and methanol injection.
Injected fluid K1 K2 K3 3Kg (%) BKg GOR1 GOR2 dcor (%) AP1 AP2 3ap (%)
(mD) (mD) (mD) (m*/m?) (m*/m?) (MPa) (MPa)
Co, 0.098 0.021 0.045 78.6 2.143 8371 7563 9.653 12.2 8.2 32.79
methanol 0.101 0.022 0.035 78.2 1.591 8310 7789 6.263 12.3 9.4 23.58
3.2. Different CO, injection volumes -
Ul 21 10000 M Before injection
The above experiment indicated that the effect of CO, injection 9000 } M After injection
on removing condensate blockage is better than that of methanol. ?; 8313 8293 8374 8380
On this basis, the research of different CO; injection volumes was o 8000 f
conducted and the different injection volumes are 0.05 HCPV, 0.1 =
HCPV, 0.15 HCPV and 0.2 HCPV. Figs. 8—10 respectively show the g 7000 p
comparison of pressure difference, GOR and gas permeability ©
before and after injection. 6000 |
The above pictures cannot visually show the effect of different

injection volumes to remove condensate blockage, so the data is
processed by the method above mentioned. The processed data can
clearly show the effect of different injection amount to remove
condensate blockage, which is shown in Table 5 and in Figs. 11—14.
The “Equilibration time” in Table 5 refers to the time required for
the outlet pressure to reach stable after the end of injection.

As shown in Fig. 8, the pressure difference at the ends of the core
decreases with the increasing CO, injection volume. However, as
shown in Table 5 and Fig. 11, the decrease degree of pressure dif-
ference of 0.15 HCPV CO, injection and 0.2 HCPV CO, injection are
almost the same, which are respectively 54.5% and 59.5%. The
pressure difference grows slowly when the injected CO, volume is
higher than 0.15 HCPV.

The GOR decreases by 5.8% after injecting 0.1 HCPV CO;, and
decreases by 11% after injecting 0.2 HCPV CO,. Its decrease degree
increases slowly in approximate linearity. The analysis suggests
that this is because the injected CO, dissolves the condensate.

The increase of gas permeability is an important data to evaluate
the effect of mitigating condensate blockage. As shown in Fig. 13,
the gas permeability after injecting 0.1 HCPV CO; increases to 1.6
times as much as that before injecting. The gas permeability is
proportional to pressure difference under low flow rate, so its
variation law is consistent with that of pressure difference. When
CO; injection volume increases from 0.15 HCPV to 0.2 HCPV, the
permeability increase times increases slightly from 2.29 to 2.39.
This results indicate that the optimal injected CO, volume is around
0.15 HCPV for removing condensate blockage.

Fig. 14 shows that the more CO; is injected, the longer equilib-
rium time is. The system needs 11 h to reach equilibrium after

14

12 —4— 0.05SHCPV
—&— 0.10HCPV

10 | —# 0.15SHCPV

—+— 0.20HCPV

1 L " " i 1 ;

0 10 20 30 40 50 60 70
Time/h

Fig. 8. Pressure difference measured with time for different CO, injection volumes.

5000
0.05HVPV 0.10HCPV 0.15HCPV 0.20HCPV

Fig. 9. Comparison of GOR before and after injection for different CO, injection
volumes.

0.10
M Before injection

0.08 | M After injection

0.06 0.055 0.055

Kg/mD

0.04

0.02

0.00

0.05HVPV 0.10HCPV 0.15HCPV 0.20HCPV

Fig. 10. Comparison of gas permeability before and after injection for different CO,
injection volumes.

Table 5
Condensate blockage removal values of different injection volume.
Injection volume (HCPV) BKg  Equilibration time(h) 3GOR (%) JAP (%)
0.05 167 58 5.46 223
0.10 214 75 7.73 333
0.15 229 9.0 9.66 54.5
0.20 233 10 11.2 59.2
100 r
80
® 60 |
%
“ 40}
20
0 1 L " s J
0.00 0.05 0.10 0.15 0.20 0.25

Injeciton volume/HCPV

Fig. 11. Pressure difference decrease degree vs. different CO, injection volumes.
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Fig. 12. GOR decrease degree vs. different CO, injection volumes.

24 r
22 |
20 f
1.8 1
1.6
14 |
1.2

1.0 . . . : '
000 005 010 015 020 025

Injeciton volume/HCPV

Permeability recovery times/f

Fig. 13. Gas permeability decrease degree vs. different CO, injection volumes.
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Fig. 14. Equilibrium time vs. different CO, injection volumes.

injecting 0.2 HCPV CO,. The mechanism of CO, removing conden-
sate blockage lies in mass transfer between gas phase and oil phase.
CO, mass transfer distance would be further and more oil would be
contacted by CO, if more CO; is injected.

4. Conclusions

A novel laboratory experimental evaluation method of
condensate blockage in near wellbore region is presented in this
paper, which considers the saturation stacking effect in the near
wellbore region and single gas flow deep within the reservoir.

There is a continuous condensate blockage for gas condensate
reservoir developed by pressure depletion. When the pressure re-
duces to 15.5MPa in the experiment, the gas permeability de-
creases by 80% compared with the initial gas permeability.

Both of CO, injection and methanol injection are effective for
removing condensate blockage. It is shown that CO; injection can
more effectively remove condensate blockage by the experimental
results of gas permeability recovery times, GOR and pressure

difference decrease value.

With the increase of CO, injection volume, the effect of CO,
injection on mitigating condensate blockage is enhanced first, and
stays stable. The gas permeability recovery times and GOR are
observed to increase slightly after injecting 0.15 HCPV CO,. There-
fore, the optimal CO injection volume for removing condensate
blockage is around 0.15 HCPV.
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Nomenclature

HCPV Hydrocarbon Pore Volume (decimal)

Pdew Dew point pressure (MPa)

GOR Gas oil ratio (m3/m?)

Psomax maximum retrograde condensation pressure (MPa)
K1 Initial gas permeability (mD)

K2 Gas permeability before gas injection (mD)

K3 Gas permeability after gas injection (mD)

GOR1 Gas oil ratio before gas injection (m>/m?)

GOR1 Gas oil ratio after gas injection (m3/m?)

AP1 Pressure difference before gas injection (MPa)
AP2 Pressure difference after gas injection (MPa)
oKg Gas permeability decrease degree (%)

BKg Gas permeability recovery times

OGOR GOR decrease degree (%)

OAP Pressure difference decrease degree (%)
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